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Abstract 
The Latrobe aquifer in the Gippsland Basin in southeastern Australia is a potential candidate for large-scale CO2 
geological storage. The Latrobe Group forms a major freshwater aquifer in the onshore Gippsland Basin and contains 
hydrocarbon reservoirs in the offshore parts of the basin up to 6000 m below the seafloor. Therefore, it is a prime 
example of the emerging need to manage for multiple resource use in sedimentary basins. The emphasis of the 
current modeling effort was to examine the impact of CO2 injection on the regional flow and displacement of 
formation water and to identify regions with potential interactions with other basin resources. It was not intended for 
simulating detailed plume migration or storage capacity. CO2 injection and petroleum production operating 
independently can result in significant over- or underpressuring in the basin, potentially causing land 
uplift/subsidence or contamination of groundwater. However, the simulation results suggest that, given the right 
injection concept, unwanted pressure changes and associated impacts could be significantly reduced when CO2 
injection and petroleum production operated conjunctively.  
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1. Introduction 
The Latrobe aquifer covers approximately 45,000 km2 in the Gippsland Basin in southeastern Australia 
and is a potential candidate for large-scale CO2 geological storage. It is also a prime example of the 
emerging multiple resource optimization in sedimentary basins. The Latrobe Group forms a major 
freshwater aquifer in the onshore Gippsland Basin and is an important reservoir for oil and gas in the 
offshore parts of the basin, where it is up to 6000 m below the seafloor (Fig.1). The Latrobe Group and 
overlying formations also contain substantial coal resources and the basin is considered prospective for its 
geothermal energy potential. Previous hydrogeological studies in the Gippsland Basin primarily 
investigated the impact of offshore petroleum production and onshore mine dewatering on the basin flow 
system [1, 2]. Electricity generation in Victoria produces over 60 Mt CO2 per year [3] and the aim of the 
current project is to simulate how the addition of CO2 injection contributes to potential interactions 
between various resource developments in the basin. 
 
 
 
 
Figure 1.Conceptual model of present- day formation water flow and location map of the Gippsland Basin (modified from Varma 
and Michael [2].  
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1.1. Hydrostratigraphic framework 
Recent sediments (Pliocene to Pleistocene) form a shallow aquifer system in the Gippsland Basin that 
is unconfined in the onshore area (Fig.1). Its thickness varies from <20 m onshore to around 300 m 
offshore. The underlying late Oligocene to mid-Miocene Seaspray Group aquifer-aquitard system consists 
onshore of sandy aquifers embedded in coal seams and shale beds. Offshore, the time-equivalent 
Gippsland Limestone consisting of limestone, silt and marl forms a low-permeability aquitard system. At 
the base of the Seaspray Group, the Lakes Entrance Formation forms the major regional aquitard, 
primarily consisting of shale and marl and confining the underlying Latrobe Group aquifer system (the 
Latrobe aquifer). The Lakes Entrance Formation is absent in the western half of the onshore Gippsland 
Basin and reaches a maximum thickness of 1200 m in the offshore part of the basin. The maximum 
thickness of the Seaspray Group in the onshore part is 700 m and in the offshore part it reaches a 
thickness of 2000 m. The Latrobe Group (Turonian to early Oligocene) comprises variable amounts of 
sandstone, siltstone, shale and coal and extends across the offshore basin and is underlain by the 
Strzelecki Group aquitard that outcrops in the onshore part of the basin. Along the eastern edge of the 
basin, the aquifer subcrops beneath Recent sediments at the seafloor. The thickness of the Latrobe aquifer 
in the central part of the basin decreases westward from 2000 m to around 200-400 m. Along the northern 
and southern margins, the Latrobe Group pinches out completely. 
 
1.2. Formation water flow 
An important aspect of using the Latrobe aquifer for CO2 geological storage is the fact that formation 
water quality ranges from freshwater in the shallow parts onshore to seawater salinity in the deep basin 
offshore. The freshwater-saltwater interface in shallow aquifers closely follows the present-day shoreline 
in the form of a conventional seawater wedge. However, in the Latrobe aquifer a wedge of freshwater 
displaces saline water downdip, several kilometres offshore. The main hydrogeological features of the 
Gippsland Basin are depicted in Figure 1 and can be summarized as follows: 
  
 Cold, high-density seawater in the ocean and shallow stratigraphic units overlying warm, fresh-
brackish, lower density formation water in the Latrobe Group causes instability and density-
driven flow. This results in westwards (shorewards) displacement of Latrobe aquifer connate 
waters. 
 Gravity-driven flow with recharge of meteoric water in areas of topographic highs and discharge 
into lakes and along the fresh-seawater interface. This results in eastward flow in the Latrobe 
aquifer and forms a freshwater wedge that pushes seawards. 
 Offshore petroleum production and onshore mine dewatering overprint the natural flow system, 
focusing formation water flow towards production induced hydraulic sinks in the central deep and 
west, respectively. 
2. Numerical simulations 
2.1. Model setup 
Simulations of formation water flow in the Gippsland Basin accounting for salinity and temperature 
effects were performed using the PetraSim (TOUGH2) code. The model grid is based on a simplified 
hydrostratigraphy and is divided into: 1) seafloor topography, 2) top of Lakes Entrance Formation, 3) top 
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of Latrobe Group and 4) top of Strzelecki Group. The 10 layer model consists of approximately 50,000 
cells with 3 km x 3 km cells of variable thickness. Hydraulic properties for the various rock units are 
summarized in Table 1. All vertical model boundaries were modeled as no-flow boundaries, whereas the 
top and bottom layer are set to fixed pressure, salinity and temperature conditions. Initial conditions 
consist of a) hydrostatic pressure, b) constant temperature gradient of 20oC/km (less than natural gradient 
because the TOUGH2-ECO2N module [4] is limited to a maximum of 100 oC), and c) varying salinity 
(35 g/l in the offshore Lakes Entrance and Gippsland Limestone layers, 0 g/l in the onshore cells and 
eastward increasing salinity from 0  35 g/l in the Latrobe layers. 
 
Table 1. Hydraulic properties for the PetraSim/TOUGH2 model. Vertical permeability is assumed one order of magnitude lower 
than the horizontal permeability. A linear function for relative permeability was assumed for all units with relative permeability 
ranging between 0.2-0.9 for water and 0.1-0.7 for CO2. 
Rock description Formation Porosity (%) Horiz. permeability 
(m2) 
Pore compressibility  
(Pa-1) 
Mixed clastics Recent (onshore) 20 1.0E-14 1.0E-10 
Mixed sediments Gippsland Lst. Onshore equivalent 20 5.0E-13 1.0E-10 
Limestone Gippsland Lst. 20 1.0E-15 4.5E-10 
Shale Lakes Entrance Fm. 10 1.0E-16 4.5E-10 
Sandstone  
high-permeability Latrobe Gp. 20 1.0E-12 4.5E-10 
Sandstone  
medium permeability Latrobe Gp. 20 1.0E-13 4.5E-10 
Low permeability sand-
/siltstone Latrobe Gp. 15 1.0E-16 4.5E-10 
 
 
 
Figure 2. Model grid and lithology distribution along four cross-sections for the PetraSim/TOUGH2 simulations. UTM coordinates 
in metres. 10 x vertical exaggeration. 
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Initially, the model was run over a period of one million years until modeled versus observed pressures 
and salinities in selected petroleum wells resembled closely the pre-stress conditions in the Gippsland 
Basin. The pressure and salinity distributions from the pre-stress simulations were used as initial 
conditions for the simulation of production impacts. Water and petroleum production was modeled over a 
period of 40 years, commencing in 1968. Petroleum production was implemented in the form of 
equivalent water production after converting oil and gas volumes to corresponding water volumes. 
 
The results from the calibrated pre-stress and production impact models were used as initial conditions 
for the simulation of the CO2 injection scenarios. The emphasis of the modeling effort was to examine the 
impact of CO2 injection on the regional flow and displacement of formation water and to identify regions 
with potential interactions between CO2 injection and other basin resources. It was not intended for 
simulating detailed plume migration or storage capacity. The grid was not refined at the injection well 
locations, which leads to an underestimation of the bottomhole injection pressures and does not allow for 
an accurate simulation of CO2 plume migration. The analytical model by Mathias et al. (2009) [5] was 
used to ensure that the CO2 injection rates are below the threshold for inducing fractures in the reservoir. 
More detailed models with higher resolution will be required to investigate site- or pilot-scale injection 
scenarios. 
  
A total of 17 CO2 injection wells were modeled in this project (Fig. 3). These injectors are distributed 
over most of the southern two thirds of the basin and are grouped into near-shore, southern flank and 
central deep clusters. Individual well locations were chosen arbitrarily, the only constraints being that 
they would be located at some distance from producing petroleum fields and that there was at least a 10 
km distance between injectors to minimise well interference. Injection was simulated for a period of 20 
years, with individual injection rates of 5 Mt/year for near-shore and southern flank wells and 10 Mt/year 
for injectors in the Central Deep. The total injected volume after 20 years is 2,200 MtCO2. The following 
CO2 injection scenarios were run: A) injection without prior production, B) injection after production has 
ceased, C) 10 year overlap of injection and production, and D) 10 year overlap but no near-shore 
injection. 
 
2.2.  Simulation result 
Figure 3 illustrates Case C, which assumes continuous offshore production at 2008 levels for another 
20 years and large-scale CO2 injection commencing in 2018, resulting in a 10 year overlap of fluid 
injection and production. Red to yellow and bluish colours represent under- and overpressures, 
unaffected by fluid injection or production. Before injection has started, the basin is largely 
underpressured, formation water being driven eastwards, towards the producing hydrocarbon fields (Fig. 
3a). After 10 years of CO2 injection, an area of overpressures develops along the southern flank and in the 
near-shore area, whereas the areas in the vicinity of the hydrocarbon-producing fields remain 
underpressured (Fig. 3b). The displacement of brine due to injection results in an increased flow of 
formation water towards the northern and southern flanks of the basin. The flow magnitude in the 
freshwater part of the Latrobe aquifer has decreased (east of Dolphin) but remains to be directed 
eastward. At the end of CO2 injection, the area of overpressure has expanded and, as a result, the regional 
flow of freshwater is re-directed towards the northeast with some updip, westward flow occurring in the 
Seaspray Depression (Fig. 3c). After another 70 years, pressures in the basin have largely re-equilibrated 
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to represent the natural flow system, with the exception of some localised under- and overpressured areas 
in the vicinity of former injection and production locations (Fig. 3d). 
 
 
 
Figure 3. Simulated flow of formation water in response to petroleum production and CO2 injection at a depth of 1600 m. The 
colour and length of the flow arrows depict the flow magnitude, increasing from blue to red to a maximum of 0.5 g/s per m2. The 
contour colours represent the amount of over-or underpressuring with respect to the pressures of the natural flow system: a. Pre-CO2 
injection; b. after 10 years of CO2 injection (end of petroleum production); c. after 20 years of CO2 injection (end of injection); d. 70 
years after cessation of CO2 injection. Note that the Latrobe aquifer dips below 1600 m depth in the Central Deep and, in this region, 
depicted overpressures and flow are representative of the overlying Gippsland Limestone. 
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The response of the formation water flow system to injection and production of fluids is also shown in 
cross-sectional view in Figure 4. It shows the reversal of flow in the freshwater wedge in response to 
large-scale near-shore CO2 injection (Fig. 4b). On the other hand, when injecting only along the Southern 
Margin and in the Central Deep, the impact on the flow of freshwater is significantly reduced (Fig. 4c). 
 
 
Figure 4. Simulated distribution of flow along a WE cross section: a) pre-CO2 injection, b) after 20 years of basin-wide CO2 
injection and c) after 20 years of CO2 injection, excluding the near shore injection (10 x vertical exaggeration). Arrows depict flow 
direction with the colour indicating the flow magnitude (increasing from blue to Red to a maximum of 0.5 g/s per m2, which is 
approximately equivalent to 15 m/year or 4 cm/day). Line of cross section BB shown in Figure 3. 
The impact of large-scale CO2 injection on flow in the onshore area of the Latrobe aquifer is illustrated 
further by comparing the change in hydraulic head values in selected onshore wells (Fig. 5). The small 
change in hydraulic head values (< 5 m) in the vicinity of the Avon and Woodside wells indicates that 
these areas are not affected significantly by any of the injection scenarios. However, the simulated 
hydraulic head changes at the Dutson Downs location demonstrate that different CO2 injection scenarios 
can have varying impacts on formation water flow. When assuming a natural, near-hydrostatic pressure 
regime, large-scale CO2 injection in the nearshore area would increase the hydraulic head value at Dutson 
Downs by up to 40 m, having a high potential for reversing the otherwise basinwards flow of freshwater. 
However, this case is not very realistic given the known production history in the basin. The increase in 
hydraulic head would be significantly less if  injection was to occur after 40 years of petroleum 
production. In the case of continuing hydrocarbon production, CO2 injection could compensate for the 
production-induced underpressuring in the near-shore area. 
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Figure 5. Change in simulated freshwater hydraulic head values at selected onshore wells in response to large-scale CO2 injection 
scenarios. In each case, a total of 2,200 MtCO2 2) was injected over a period of 20 
years. 
2.3.  Model limitations 
Even with the current computing technology, performing basin-scale multi-phase flow simulations 
entails a trade-off between grid resolution and computational time. For this reason, models need to be 
purpose build, depending on the scale of the problem to be investigated. The model presented in this 
paper covers the entire Gippsland Basin and, required a relatively coarse grid resolution both vertically 
(10 layers) and laterally (3 km x 3 km grid cells) for simulations to be run in a reasonable time. 
Consequently, the processes that were simulated were assessed at a large scale, i.e. regional flow patterns, 
large injection/production rates, long stress periods, simplified hydraulic property distribution and 
boundary conditions. One implication is that for example injection/production pressures at individual well 
locations are underestimated and the model cannot be used to specifically assess injectivity. Also, the 
coarse grid resolution implies that small injection rates of CO2 (pilot-scale injection < 0.1 Mt) or small 
shifts in the location of the freshwater-seawater transition zone cannot not be accurately modelled 
because the plume spread or salinity change would occur largely in a single grid cell.  
 
A limitation specific to the TOUGH2-ECO2N module used in this project is that simulations are 
constrained to confined aquifer conditions and the model cannot simulate flow in an unconfined aquifer. 
All model cells need to be fully saturated and the water table in the presented model cannot fall below the 
ground surface or the sea floor. Consequently, model predictions in the onshore area, become increasingly 
inaccurate the shallower the depth. This also means that calibration of model results in the onshore area is 
problematic. Calibration of the presented models was performed with a relatively small set of observation 
data, mainly because additional data from producing petroleum fields in the Gippsland Basin, particularly 
younger than the year 2000, were not publicly available. 
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 Non-uniqueness is also a potential issue for the calibration of the simulations. Pressure build-up and 
brine displacement in response to fluid injection (and the reverse for fluid production) is mainly sensitive 
to the permeability and pore compressibility [6]. Pore compressibility is not well constrained by actual 
data in the Gippsland Basin and was assumed to vary between 1-4.5x10-10 Pa-1. 
3. Conclusions 
Basin-scale simulations of CO2 geological storage in the Gippsland Basin identified areas of varying 
susceptibility of formation water flow to pressure disturbances due to CO2 injection. Particularly, large-
scale injection in the near shore area in the Latrobe aquifer, where topography-driven freshwater flow 
meets a relatively stagnant, brackish-saline flow system, may result in the direction of flow changing and 
shift of the freshwater-saline water transition zone. The natural flow system in the Gippsland Basin has 
been altered already by mine dewatering, as well as groundwater and petroleum production, and potential 
interaction with CO2 injection operations need to be considered. The simulation results show that, given 
the right injection concept, CO2 injection may have positive impacts on formation water flow that was 
previously altered by petroleum production. While the two operations on their own result in significant 
over- or underpressuring in the basin, these pressure changes would be significantly reduced when both 
operated simultaneously or consecutively.  
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